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Abstract 15 

Background Rural PV-wind hybrid mini-grids are routinely assessed for profitability under an 16 

assumption of uninterrupted dispatch that a full annual simulation may not support. This study tests 17 

that assumption for a 38.5 kW photovoltaic-wind hybrid mini-grid designed for Tafaghatt, a rural village 18 

in Niger's Maradi region, by carrying two dispatch estimates of the same configuration, one built on 19 

representative days and one on a full stochastic year, through a single 15-year discounted cash-flow 20 

model. Sized against a surveyed demand of 160 kWh/day, it pairs 28.5 kWp of photovoltaics and a 10 21 

kW turbine with 240 kWh of lithium iron phosphate storage, and delivers an estimated 64,123 22 

kWh/year at an assumed tariff of 350 F CFA/kWh, consistent with prevailing off-grid rural tariff 23 

practice. 24 

Results Total investment is 120,000,000 F CFA, of which only 19.3% covers generation equipment. The 25 

base case returns a levelized cost of 306 F CFA/kWh generated, a net present value of 21,586,792 F 26 
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CFA at a 10% real discount rate, an internal rate of return of 13.07% and a discounted payback in year 27 

11. Little of this survives the quantities the study does not observe. Normalized to energy delivered 28 

rather than generated, the levelized cost rises to 336 F CFA/kWh, and to 395 F CFA/kWh under the 29 

companion study's 15.0% annual loss-of-power-supply probability, where the net present value turns 30 

negative (−16,968,806 F CFA) and the return falls to 7.42%. Repricing the battery bank at the published 31 

lithium-ion benchmark, or lowering collection to 85%, each turns it negative on its own. At constant 32 

capacity, demand growth adds nothing: the plant already sells all it generates. 33 

Conclusions Bankability rests on three quantities the design study did not measure: storage cost, 34 

dispatch reliability and revenue collection. All three are measurable before an investment decision, 35 

and an assessment that reports the span between two dispatch readings, rather than a verdict with a 36 

caveat attached, is what a financier or regulator needs. For comparable Sahelian schemes the scope 37 

for improvement lies in the non-generation cost bundle and in a tariff calibrated against measured 38 

willingness to pay rather than cost recovery alone. 39 

Keywords: Techno-economic analysis, Discounted cash flow, Loss-of-power-supply probability, 40 

Dispatch reliability, Hybrid PV-wind mini-grid, Rural electrification, Rural energy policy, Tariff design, 41 

Niger Sahel 42 

Background 43 

A rural electrification project can be technically sound and still fail. What ultimately decides its fate is 44 

whether the revenue it generates can recover the initial outlay, cover the bills that keep it running, 45 

and reward capital at a rate investors find acceptable. Stand-alone renewable hybrid mini-grids in the 46 

Sahel face this test in its sharpest form: steep upfront capital costs collide with sparse populations and 47 

modest household incomes, making rural electrification a far more delicate economic proposition than 48 

anything found in cities or on the national grid [1,2]. The stakes are considerable at continental scale 49 

too: mini-grids are now regarded as the least-cost option for connecting a large share of the roughly 50 

half a billion people who still lack electricity access worldwide, most of them in Sub-Saharan Africa, yet 51 

the sector's bankability still hinges on getting this revenue-versus-cost balance right at the level of each 52 
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individual village scheme [3]. That balance is not a purely financial question. It is struck inside a national 53 

regulatory framework that fixes how tariffs may be set, and against household incomes that determine 54 

what those tariffs can actually recover, so a profitability verdict for a Sahelian mini-grid is only 55 

meaningful once the tariff regime and the affordability constraint behind it are stated alongside the 56 

discount rate. 57 

A fair amount of research has by now looked at how PV-wind hybrid systems perform financially in 58 

rural electrification schemes across Africa, Asia and Latin America, usually settling on the levelized cost 59 

of energy (LCOE) as the yardstick of choice. The numbers, though, swing widely depending on local 60 

resource quality, system size and how much grid-connection infrastructure gets folded into the cost 61 

base. In Mongo, Chad, a PV-wind-battery configuration comes in at 0.185 USD/kWh [4]; a PV-wind-62 

diesel-battery setup powering a telecommunication station in northeast Algeria reaches 0.214 63 

USD/kWh [5]; Morocco's eastern Sahara manages as little as 0.0383 USD/kWh with a PV-wind-64 

pumped-hydro-storage configuration, helped by an already-existing hydro-storage asset that pulls the 65 

levelized cost down [6]; and a dynamically optimized PV-wind system serving an Ethiopian community 66 

lands at 0.28 USD/kWh [7]. Outside Africa the spread is just as wide: a solar-biomass microgrid in Brazil 67 

reports 0.03-0.05 USD/kWh [8], while a PV-dominated island microgrid in the Comoros sits at 0.563 68 

USD/kWh [9]. A rural microgrid planning study in Uttarakhand, India, combining PV, wind, diesel and 69 

battery storage, arrives at a broadly similar cost structure for its chosen configuration [10]; meanwhile 70 

a multi-criteria assessment (AHP, TOPSIS, EDAS, PROMETHEE II) covering hybrid microgrids across 71 

several Asian least-developed countries finds that pushing up the PV share, provided storage backs it 72 

up, consistently drives down both the levelized cost and the environmental footprint [11]. What 73 

emerges from all of this is less a single number than a lesson: the LCOE is hostage to site-specific 74 

logistics, resource quality, and just how much of the distribution network gets counted in the bill. 75 

The system examined here is a 38.5 kW PV-wind hybrid mini-grid earmarked for Tafaghatt village, in 76 

the Aguié department of Niger's Maradi region, sized through a deterministic least-favorable-month 77 

method [12] calibrated against a 160 kWh/day demand target (the configuration is restated in the 78 
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Methods: 28.5 kWp of photovoltaic capacity, one 10 kW wind turbine and a 240 kWh LiFePO4 battery 79 

bank). A technically sound design, however, only answers half the question that matters to the people 80 

who have to fund it: what ultimately decides whether such a scheme gets built, and stays built, is 81 

whether it pays for itself. Five objectives structure the analysis that follows: first, building a complete 82 

investment cost breakdown covering both the generation system and its low-voltage distribution 83 

network; second, computing the levelized cost of energy and setting it against the chosen electricity 84 

tariff; third, running the discounted cash-flow method to obtain the project's net present value, 85 

internal rate of return and payback period; fourth, pressure-testing all of these indicators through a 86 

multi-parameter sensitivity analysis spanning cost, demand and reliability inputs; and fifth, reconciling 87 

this discounted cash-flow-based profitability case against a companion annual stochastic dispatch-88 

reliability estimate for the same configuration [13]. What distinguishes the present analysis is not that 89 

dispatch is simulated, since hourly simulation is standard practice in this literature and several of the 90 

studies cited above rely on it, but that two dispatch estimates of the same configuration, one built on 91 

representative days and one on a full stochastic year, are carried through to the same discounted cash-92 

flow model and are shown to straddle the sign change of the net present value. The question this paper 93 

puts to the field is therefore not whether a mini-grid can be simulated, but how far a profitability 94 

verdict travels when the dispatch record beneath it is replaced. 95 

This paper is the profitability-focused installment of a three-part assessment of the Tafaghatt system, 96 

and its contribution is deliberately bounded relative to the other two. The technical sizing exercise 97 

itself, the choice of a 75%/25% PV-wind energy split, the least-favorable-month sizing method and the 98 

resulting 38.5 kW configuration, was established and validated on its own technical merits in a 99 

companion paper [12] and is treated here as a fixed input rather than re-derived. A second companion 100 

paper [13] examines the same configuration from a different angle again, reconstructing an explicit 101 

hour-by-hour representative year of 8,760 hours with stochastic day-to-day solar and wind variability 102 

and a 15% photovoltaic soiling derate, and reporting an annual renewable fraction of about 85% 103 

together with an annual loss-of-power-supply probability of 15.0% concentrated in the July-September 104 
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monsoon window. Those parameters are the whole of what the present paper borrows from it, and 105 

they are restated here so that the figure carried through the cash-flow model below can be audited 106 

without recourse to the companion text. What this paper adds on top of both is the discounted cash-107 

flow and sensitivity framework itself: the levelized cost of energy, net present value, internal rate of 108 

return and payback indicators, the nine-scenario tariff-discount-rate grid, the capacity-constrained 109 

demand-growth and multi-parameter tornado analyses, and an explicit reconciliation of the 110 

profitability case against the stochastic dispatch findings of [13]. The three papers accordingly answer 111 

three distinct questions about the same village-scale system, whether it is correctly sized, whether it 112 

pays for itself, and whether it performs reliably once realistic year-round resource variability is taken 113 

into account, and the revenue-adjusted analysis reported below exists specifically to connect the 114 

second question to the third rather than leave them as separate, disconnected readings of the same 115 

case. 116 

Methods 117 

System configuration and study area 118 

The system placed under the microscope here is a 38.5 kW PV-wind hybrid setup (28.5 kWp of 119 

photovoltaic field, a 10 kW wind turbine, a 240 kWh LiFePO4 battery bank and two 10 kW hybrid 120 

inverters) earmarked for electrifying Tafaghatt village (13.65° N, 7.71667° E) in the Aguié department 121 

of Niger's Maradi region. This configuration was obtained through a deterministic least-favorable-122 

month sizing exercise [12], run against the site's decadal (2012-2021) solar and wind resource record 123 

with a fixed 75%/25% PV-wind energy split, and it is sized to cover a daily demand of 160 kWh, with 124 

an estimated annual renewable electricity generation of 64,123 kWh. 125 

The 160 kWh/day figure was established during this same design-phase field visit. The demand 126 

assessment was conducted by the InnovaTech-Smart Energies team during a two-week field survey in 127 

March 2024, covering approximately 120 households and the main community facilities, including the 128 

market, school and health center. Data were collected through household and institutional interviews, 129 

a count of planned connections, and an inventory of the main electrical appliances and their expected 130 
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daily operating hours. The individual estimates were then aggregated to obtain the total daily 131 

electricity demand of 160 kWh/day. It is treated throughout this study as the principal aggregate 132 

demand input against which the system was sized and its profitability assessed (and its profitability 133 

assessed in the subsections that follow). Several methodological limits of this survey should be stated 134 

plainly: it was conducted in a single dry-season wave (March 2024) rather than repeated across 135 

seasons; no formal margin of error or confidence interval was computed for the resulting demand 136 

estimate; no coincidence (simultaneity) factor was applied across households' simultaneous appliance 137 

use; and the ratio of the roughly 120 households surveyed to the village's total household count is not 138 

reported here. These are acknowledged gaps in the demand assessment, not resolved quantities, and 139 

a reader seeking to reproduce this study's sizing exercise would need to fill them independently. The 140 

dispatch simulation described below discusses the scope and limits of this aggregate approach relative 141 

to a fully disaggregated end-use load survey. 142 

Cost data collection 143 

Equipment costs (PV modules, inverters, batteries, the wind turbine, protection devices and copper 144 

busbars) were pulled together from supplier quotations gathered during the design phase. For the 145 

distribution side (low-voltage poles, cabling, household meters), we relied on itemized connection and 146 

network-extension quotes from NIGELEC, the national utility, drawn from comparable monophase and 147 

triphase rural connections. The feasibility-study, site-preparation and labor costs, meanwhile, cover 148 

the resource assessment campaign, the civil works, and the installation of both the generation plant 149 

and the village-wide low-voltage network needed to reach individual households as well as the market, 150 

the schools and the health center. A separate capital-contingency line, the replacement-cost provision 151 

reported in Table 2, was budgeted at the design stage to cover projected spares and mid-life 152 

component replacement, inverters, charge controllers and protection gear as well as the battery bank, 153 

over the 15-year project horizon; The economic analysis framework below clarifies how this upfront 154 

budgeting line relates to the battery-replacement cash outflows tracked explicitly in the discounted 155 

cash-flow schedule. 156 



7 

Economic analysis framework 157 

The profitability analysis leans on the discounted cash-flow (DCF) method, applied over a 15-year 158 

project lifetime with the base-case parameters listed in Table 1. Every monetary figure is given in F 159 

CFA, the currency in which the underlying investment and revenue data were originally compiled, with 160 

US-dollar equivalents in parentheses, converted at 573 F CFA/USD, roughly the prevailing XOF/USD 161 

rate in mid-2026 [14]. The analysis is conducted in constant mid-2026 terms: neither the tariff nor the 162 

operation-and-maintenance cost is escalated over the horizon, and the discount rate is accordingly a 163 

real rate, so that a nominal reading of these results would require inflating the cash flows and the 164 

discount rate consistently. Three further conventions bound what the indicators can mean, and are 165 

stated here rather than left implicit. The project is treated as fully equity-financed, with no debt 166 

service, taxation, depreciation allowance or working-capital requirement, so the internal rate of return 167 

reported below is a project return and not an equity return. Revenue is computed on energy delivered, 168 

with no allowance for technical losses on the low-voltage network, non-technical losses or arrears; 169 

because the collection rate is not observed at this site, it is carried instead as an explicit sensitivity 170 

parameter. And no salvage value is credited at the end of year 15, although the photovoltaic field, the 171 

wind turbine and the distribution network have service lives well beyond the horizon and the battery 172 

bank replaced in year 10 retains roughly five of its seven years of nominal service life at the end of the 173 

project horizon, worth about 0.9 million F CFA in present value. The last convention is conservative 174 

with respect to project value; the first two are not. 175 

Table 1 Base-case parameters of the profitability study 176 

Parameter Value Unit 

Total installed capacity 38.5 kW 

Estimated annual renewable electricity 

generated 
64,123 kWh/year 

Initial investment cost (CI) 120,000,000 F CFA 
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Electricity tariff (base case) 350 F CFA/kWh 

Annual O&M cost (3% of CI) 3,600,000 F CFA/year 

Battery replacement cost (year 10) 4,500,000 F CFA 

Discount rate (base case) 10 % 

Project lifetime (n) 15 years 

The 350 F CFA/kWh tariff is set in line with the tariff-fixing principles established by Niger's own 177 

regulatory framework for off-grid rural electrification: Décret n°2019-406/PRN/ME (26 July 2019), 178 

which governs autonomous off-grid rural electrification projects under the national PERAN program, 179 

and Décret n°2017-796/PRN/ME (6 October 2017), which approves NIGELEC's tariff methodology and 180 

end-user tariff structure [2,15,16]. As of the most recent published regulatory diagnostic, however, 181 

Niger's decree framework establishes the principle that tariffs must reflect production costs without 182 

yet specifying a detailed, mini-grid-specific tariff-calculation methodology [17]; the 350 F CFA/kWh 183 

figure retained here therefore reflects NIGELEC's prevailing off-grid rural practice rather than a codified 184 

mini-grid tariff schedule, a documented regulatory gap that this study flags rather than resolves. The 185 

3% O&M assumption sits comfortably within the conservative range reported in the renewable-cost 186 

literature [2]. A single battery replacement is scheduled in year 10. Lithium iron phosphate cells rated 187 

for several thousand cycles at an 80% depth of discharge would, at roughly one cycle per day, outlast 188 

the 15-year horizon on cycle count alone. The year-10 replacement adopted in this study is therefore 189 

driven by calendar ageing under sustained high-temperature operating conditions rather than by cycle 190 

count. Experimental studies have shown that elevated storage temperatures accelerate the calendar 191 

ageing of LiFePO4 batteries, including over the 40–55 °C range investigated under controlled 192 

conditions [18]. This temperature range is used here as an ageing-stress reference and not as a 193 

measured battery-enclosure temperature at the Tafaghatt site. The ten-year replacement is 194 

consequently treated as a conservative planning assumption, and its cost is varied explicitly in the 195 

sensitivity analysis. Regarding the relationship between this replacement and Table 2's upfront 196 

replacement-cost provision (10,738,962 F CFA), two accounting conventions could in principle be used. 197 



9 

Approach A treats the initial investment CI as covering only generation, storage and distribution 198 

hardware, with every future replacement, the battery included, entered as an explicit, separately 199 

discounted cash outflow in the DCF schedule (Table 4) and in the LCOE numerator (Eq. 1, term Crepl,t). 200 

Approach B instead folds a lump-sum replacement reserve into CI itself, treating it as a pre-funded 201 

book provision rather than a future cash event. This study adopts Approach A throughout: Table 4's 202 

net cash flow is reduced in year 10 by the actual battery cost, and Eq. (1) discounts that same cost back 203 

to year zero as a separate term added to CI. Table 2's replacement-cost provision line is accordingly 204 

not a duplicate of that outflow; it is a broader capital-budgeting contingency, covering projected spares 205 

for inverters, charge controllers and protection equipment across the 15-year horizon, disbursed on 206 

an as-needed basis outside the scheduled battery replacement modeled explicitly in the DCF. No cost 207 

item is therefore subtracted twice between Table 2 and Table 4. 208 

Levelized cost of energy formulation 209 

The LCOE captures the average cost of producing a single kilowatt-hour over the project's entire 210 

lifetime: initial investment, discounted operating costs and discounted replacement costs are added 211 

together, then divided by the discounted lifetime energy production: 212 

𝐿𝐶𝑂𝐸 = 𝐶ܫ + ∑ 𝐶repl,௧(1 + ௧௧(ݎ + 𝐶O&M × an𝐸anܨ × anܨ
 

(1) 

where CI is the initial investment, Crepl,t the replacement cost incurred in year t, CO&M the annual 213 

operation and maintenance cost, Ean the annual energy production, r the discount rate and Fan the 214 

annuity discount factor over the project lifetime n: 215 

anܨ = 1 − (1 + ݎ௡−(ݎ  (2) 

Net present value and internal rate of return 216 

Net present value (NPV) works by summing every year's discounted net cash flow, CFnet(t), across the 217 

project's lifetime and then subtracting the initial investment: 218 
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ܸܰܲ =∑ 𝐶ܨnet(ݐ)(1 + ௧௧(ݎ − 𝐶(3) ܫ 

Here CFnet(t) is simply the annual revenue (production times tariff) minus O&M costs, with a further 219 

deduction for the battery replacement in year 10. A positive NPV means the project is creating value 220 

over and above the return capital demands. The internal rate of return (IRR), meanwhile, is whatever 221 

discount rate r* drives the NPV exactly to zero: 222 ܸܰܲ(ݎ∗) = 0 (4) 

Since Eq. (3) behaves nonlinearly in r, we obtained the IRR by numerically solving Eq. (4) directly, root-223 

finding on the exact discounted cash-flow series, rather than settling for the cruder two-point linear 224 

interpolation between trial discount rates, which we use here only as a rough, first-order check before 225 

refining numerically. By convention, a project counts as profitable once its IRR clears the discount rate 226 

used in the NPV calculation. 227 

Payback period indicators 228 

We computed two payback indicators that complement each other. The simple, non-discounted 229 

version ignores the time value of money altogether, but it is quick to compute and gives a decent order-230 

of-magnitude read: 231 

Paybacksimple = 𝐶ܫ𝐶ܨnet
 (5) 

The discounted payback period, by contrast, is simply the first year in which the cumulative discounted 232 

cash flow crosses into positive territory: in other words, the year the investment is fully recovered once 233 

present value is accounted for. It can be read straight off the year-by-year cumulative discounted cash-234 

flow series in Table 4. 235 

Tariff and discount-rate sensitivity design 236 

The electricity tariff and the discount rate are, of the two, the most uncertain inputs to this whole 237 

analysis (one hostage to future tariff policy, the other to the cost of capital and country risk), so we ran 238 

a sensitivity analysis crossing three tariff scenarios (300, 350 and 400 F CFA/kWh) with three discount 239 

rates (8, 10 and 12%), nine combinations in total, recomputing the NPV and IRR for each. 240 
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Energy balance and hourly dispatch simulation 241 

Two figures for the village's electricity needs appear side by side in this study: a surveyed average daily 242 

demand of 160 kWh, collected during the design-phase field survey, and an estimated annual 243 

renewable electricity generation of 64,123 kWh. Taken literally as a constant year-round load, 160 244 

kWh/day would sum to 58,400 kWh/year, so the generation figure exceeds this theoretical baseline 245 

by about 9.8% (Table 7). This margin should not be read as idle overcapacity: it is the buffer that closes 246 

three gaps a single annual energy total cannot show on its own, the mismatch between when the sun 247 

and wind actually generate and when households, the market, the schools and the health center 248 

actually draw power; the round-trip losses inherent to charging and discharging the battery bank and 249 

to DC-AC inversion; and a short reserve against cloudy-day production shortfalls. Table 7 makes this 250 

distinction explicit, separating the generated-output estimate from the energy actually delivered to 251 

the load, which the shortfall-free dispatch result ties directly to the surveyed demand baseline. A fully 252 

disaggregated end-use load survey, with a per-household appliance census, a measured coincidence 253 

factor and a multi-season sampling design capable of supporting a formal margin of error, fell outside 254 

the cost-data scope of this techno-economic study, which accordingly treats the 160 kWh/day figure 255 

as its principal aggregate demand input, with the attendant reproducibility limitations noted above; 256 

the diurnal load shape used below is illustrative of typical rural West African mini-grid consumption 257 

patterns [3] and is used here to test dispatch adequacy, not to substitute for a full load census. 258 

To test whether the 9.8% margin is in fact sufficient, rather than merely assumed to be, we built an 259 

hourly dispatch simulation and ran it over representative 24-hour days for both the dry season 260 

(October-April, average irradiance 6.05 kWh/m²/day, average wind speed 4.75 m/s) and the wet 261 

season (May-September, average irradiance 4.85 kWh/m²/day, average wind speed 4.15 m/s, 262 

including two daily cloud-transient events that cut PV output by 45-50% for an hour each, 263 

representative of Sahelian monsoon convective cloud cover). PV output was modeled from the array's 264 

rated capacity through a system derating factor of 0.92 (soiling, temperature and mismatch losses) and 265 

an inverter efficiency of 0.95; the annual generation figure of 64,123 kWh used throughout this study 266 
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is an AC figure at the inverter output, already net of both, so that the 9.8% margin over the demand 267 

baseline covers battery round-trip losses and the cloud-transient reserve only. Wind output was 268 

modeled from a Weibull-distributed wind resource (shape parameter k ≈ 1.76) carried through the 269 

published power curve of the Aeolos-H 10 kW horizontal-axis turbine: a two-bladed, direct-drive 270 

permanent-magnet machine of 7.5 m rotor diameter, cut-in 2.5 m/s, rated 10 m/s and survival 50 m/s, 271 

at a 30 m hub height [19]. One consequence of using the manufacturer curve rather than a generic one 272 

must be stated plainly. Integrated over the site's seasonal Weibull distributions, that curve yields an 273 

annual capacity factor of 0.166, against the 0.204 adopted in the design study [12]; the corresponding 274 

wind yield is 14,514 rather than 17,870 kWh/year, which would lower total annual generation to 275 

60,766 kWh and the margin over the demand baseline from 9.8% to 4.1%. We retain the design study's 276 

generation figure so that the three papers in this series remain mutually consistent, and carry the 277 

discrepancy explicitly, as a parameter of the tornado analysis and as a declared limitation. The battery 278 

bank, 240 kWh nominal of lithium iron phosphate at 48 V, was tracked hour by hour with a round-trip 279 

efficiency of 90%, deliberately below the 95% this chemistry typically achieves so that the dispatch 280 

check errs on the conservative side, and with a minimum state of charge fixed at 20% of nominal 281 

capacity (192 kWh usable, an 80% depth of discharge appropriate to lithium iron phosphate), never 282 

allowed to fall below this floor or exceed the nominal ceiling. The two representative-day load profiles, 283 

the hourly dispatch model and the discounted cash-flow model described in this section are available 284 

from the corresponding author on reasonable request. The adequacy metric is the loss of power supply 285 

probability, 286 

𝐿ܲܵܲ = ∑ 𝐸unmet,ℎ24ℎ=1∑ ℎ24ℎ=1ܦ  (6) 

where Eunmet,h is the hourly shortfall between demand Dh and the power actually available from PV, 287 

wind and the battery once the state-of-charge floor is respected, summed over the 24 hours of the 288 

representative day. LPSP = 0 means every hour of demand is served; LPSP > 0 flags hours in which the 289 

generation-storage combination falls short. 290 
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Extended sensitivity analysis: demand growth and multi-parameter tornado diagram 291 

The nine-scenario grid described above varies only the tariff and the discount rate. Three further 292 

exercises broaden the picture. First, we relaxed the constant-demand assumption. Because the base 293 

case already books revenue on the plant's entire annual generation, demand growth cannot be 294 

monetized at constant installed capacity: energy delivered is capped at 64,123 kWh/year whatever the 295 

demand trajectory. The growth analysis is therefore built on the surveyed demand baseline of 58,400 296 

kWh/year, which leaves 9.8% of headroom before the plant saturates, and delivered energy in year t 297 

is taken as the smaller of Ebase (1 + g) raised to the power (t − 1) and Ean, for g = 0, 2 and 5% per year, 298 

with the tariff, the discount rate, the replacement schedule and the operation-and-maintenance cost 299 

held at their base-case values and the last of these deliberately not indexed to delivered energy. We 300 

report the saturation year, the cumulative unserved demand and the resulting indicators. A second 301 

variant relaxes the capacity constraint itself: generation capacity is scaled once, at the outset, by the 302 

factor needed to serve the year-15 demand with the same 9.8% margin, at the implicit capacity cost 303 

of 361.8 F CFA per annual kilowatt-hour derived from the generation-equipment line of Table 2 304 

(23,200,000 F CFA for 64,123 kWh/year), with the operation-and-maintenance cost and the battery 305 

replacement cost scaled by the same factor. Installing the whole expansion in year 1 overstates its cost 306 

relative to a staged build-out, so this variant is a lower bound on the value of growth. Second, we built 307 

a one-at-a-time tornado diagram over nine parameters. Annual energy production and the tariff enter 308 

as a single revenue parameter, since the net present value is linear in their product and separating 309 

them yields two arithmetically identical rows. The nine parameters are revenue (+/-20%), CAPEX (+/-310 

20%), the battery bank unit cost (the design-phase quotation against the lithium-ion industry 311 

benchmark of 209 USD/kWh reported by [3]), the discount rate (8 to 12%), the annual loss-of-power-312 

supply probability (0 to 15%), the revenue collection rate (100 to 85%), the operation-and-313 

maintenance rate (+/-20%), the wind capacity factor (0.204 as adopted in the design study against 314 

0.166 obtained from the manufacturer power curve) and the battery replacement cost (+/-20%). For 315 

the CAPEX row, operation-and-maintenance cost is held at its base-case value rather than rescaled as 316 
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3% of the perturbed capital cost, so that the row isolates the effect of the initial investment without 317 

double-counting a relationship the O&M row tests independently. Demand growth is not included, 318 

because at constant capacity it produces no spread. Since the net present value is linear in revenue, 319 

capital cost and operating cost, this decomposition is exact rather than approximate; what it cannot 320 

capture is joint variation, and a full Monte Carlo treatment remains a natural extension. Third, because 321 

the battery bank unit cost proves material and rests on a single design-phase quotation, we report a 322 

dedicated scenario in which both the battery bank acquisition cost and its scheduled replacement cost 323 

in year 10 are scaled proportionally to three published lithium-ion benchmarks, while all other model 324 

inputs are held at their base-case values. This treatment preserves consistency between the initial 325 

battery investment and the replacement expenditure over the 15-year project horizon. 326 

 The three exercises are reported in the order introduced here. 327 

Revenue adjustment for annual dispatch shortfall 328 

Every profitability indicator obtained in the base-case analysis assumes that the mini-grid serves the 329 

full demand baseline, consistent with the shortfall-free result returned by the two representative-day 330 

dispatch check described in the Methods. A companion study reconstructing a full 8,760-hour 331 

stochastic year for the same 38.5 kW configuration finds an annual loss-of-power-supply probability of 332 

15.0%, concentrated in the July-September monsoon window [13]. Because a two-day snapshot 333 

cannot capture multi-day monsoon shortfall runs, and because every revenue-based profitability 334 

indicator in this study is a direct function of how much of the demand baseline is actually served and 335 

billed, we test this discrepancy quantitatively here rather than leaving it as a qualitative caveat. 336 

The adjustment is applied to the surveyed demand baseline itself, Eserved = Ebase × (1 − LPSPannual), 337 

with Ebase = 58,400 kWh/year (Table 7) and LPSPannual = 15.0% from [13], rather than to the higher, 338 

generation-based revenue proxy used as an upper bound in the results below (Ean = 64,123 kWh/year), 339 

since the demand baseline is the more conservative and better-justified basis for a revenue estimate 340 

once shortfall is taken into account. All other base-case parameters, tariff, discount rate, O&M rate, 341 

battery replacement schedule and cost, and CAPEX, are held at their Table 1 values, and the same 342 
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discounted cash-flow model (Eqs. 3-5) is applied to the resulting net cash flow. Because the levelized 343 

cost of energy (Eq. 1) is a cost-of-generation metric normalized to the plant's annual output rather 344 

than to billed demand, it is unaffected by this adjustment and is not recomputed. To isolate the two 345 

effects at play, a switch from the generation-based revenue proxy to the demand baseline on one 346 

hand, and the annual shortfall itself on the other, results are reported for three cases: the published 347 

base case (Ean = 64,123 kWh/year, generation-based), an intermediate demand-baseline case with no 348 

shortfall (Ebase = 58,400 kWh/year), and the revenue-adjusted case (Eserved = 49,640 kWh/year, LPSP 349 

= 15.0%). The three bases are carried through the same cash-flow model and compared in the Results. 350 

The tornado analysis additionally reports this same shortfall as an eighth, one-at-a-time tornado 351 

parameter, isolating its effect from the revenue-proxy switch tested here. 352 
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Results 362 

Investment cost breakdown 363 

Of the total 120,000,000 F CFA investment (≈ 209,400 USD), 77,600,000 F CFA, or 64.7%, falls under a 364 

single line that bundles four distinct categories: the feasibility and resource-assessment study, site 365 

preparation and civil works, installation labor, and the low-voltage distribution infrastructure itself. 366 

The share attributable to the distribution network alone is not separated in the design-phase cost file, 367 
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and this bounds what can be inferred from it: the finding Table 2 supports is that non-generation costs 368 

dominate the capital budget, not that the distribution network alone does. For reference, the World 369 

Bank mini-grid market outlook puts the distribution grid at about 14% of total mini-grid capital cost on 370 

average [3], so the 64.7% line here is either an outlier attributable to a scattered settlement pattern 371 

and landlocked logistics, or an artefact of aggregation, and the data at hand cannot separate the two. 372 

Generation equipment (PV modules, inverters, the battery bank and the wind turbine) accounts for 373 

23,200,000 F CFA (19.3%), a capital-contingency provision for future component replacement, spares 374 

for inverters, controllers and protection gear beyond the scheduled battery replacement already 375 

tracked explicitly in the discounted cash-flow schedule (Methods), takes up 10,738,962 F CFA (8.9%), 376 

and the remaining distribution hardware, cables, protection devices, poles, meters and busbars, makes 377 

up the balance of 8,461,038 F CFA (7.1%) (Table 2, Fig. 1). 378 

Table 2 Breakdown of the initial investment cost 379 

Cost item Amount (F CFA) Share (%) 

Feasibility study, site preparation & labor 77,600,000 64.7 

Hybrid inverters (× 2) 9,000,000 7.5 

Capital contingency for spare parts and component 

replacement 
10,738,962 8.9 

Electric poles (PBA 9 m) 5,465,084 4.6 

PV modules (57 × 500 Wp) 5,700,000 4.7 

LiFePO4 battery bank (240 kWh) 4,500,000 3.7 

Wind turbine (10 kW) 4,000,000 3.3 

Cables (3φ-1φ) 1,829,694 1.5 

Circuit breakers (× 3) 660,000 0.6 

Electricity meters (× 4) 302,760 0.3 

Copper busbar 203,500 0.2 
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Total 120,000,000 100.0 

 380 

Fig. 1 Breakdown of the initial investment cost. Total investment = 120,000,000 F CFA. 381 

Alt text: Horizontal bar chart showing each cost item as a share of the 120,000,000 F CFA initial investment, 382 

dominated by the combined feasibility study, site preparation and labor line at 64.7%. 383 

Annual revenue and net cash flow 384 

At the chosen tariff of 350 F CFA/kWh, the estimated annual renewable electricity generation of 64,123 385 

kWh translates into annual revenue Ran = 64,123 × 350 = 22,443,050 F CFA (≈ 39,168 USD). This treats 386 

the full generated output as billed consumption across the mini-grid's complete customer base 387 

(households, market, school and health center), a planning-stage proxy adopted in the absence of a 388 

full end-use metering study; Table 7 shows this generation figure sits 9.8% above the 58,400 kWh/year 389 

surveyed-demand baseline that the dispatch simulation confirms is served without shortfall, so 390 

revenue computed this way should be read as an upper-bound planning estimate rather than a 391 

metered billing figure. Subtract the annual O&M cost of 3,600,000 F CFA and the recurring net cash 392 

flow comes to CFnet = 18,843,050 F CFA per year (≈ 32,885 USD/year), dropping to 14,343,050 F CFA 393 

in year 10, when the battery replacement eats into the total (Table 3). 394 

Table 3 Annual revenue and net cash flow in the base case 395 
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Item Value (F CFA/year) 

Value 

(USD/year) 

Annual energy production 64,123 kWh n/a 

Gross annual revenue 22,443,050 39,168 

Annual O&M cost 3,600,000 6,283 

Net cash flow (regular years) 18,843,050 32,885 

Net cash flow (year 10, after battery replacement) 14,343,050 25,032 

Base case: tariff 350 F CFA/kWh, discount rate r = 10%. USD equivalents are converted at 573 F 396 

CFA/USD. 397 

Levelized cost of energy 398 

Plugging r = 10% and n = 15 years into Eq. (2) yields an annuity factor Fan = 7.606, while the present 399 

value of the single battery replacement (year 10, Eq. 1) comes to 1,734,945 F CFA. The LCOE (Eq. 1) 400 

then works out as: 401 

𝐿𝐶𝑂𝐸 = 120,000,000 + 1,734,945 + 3,600,000 × 7.60664,123 × 7.606 ≈ 306 F CFA/kWh (7) 

That is roughly 0.53 USD/kWh. One qualification governs how the figure may be read. The levelized 402 

cost is normalized to the plant's annual generation and is therefore a cost per kilowatt-hour generated, 403 

whereas the tariff is a price per kilowatt-hour billed; the two are directly comparable only if all 404 

generated energy is delivered and billed. Normalized instead to the energy actually served, the 405 

levelized cost rises to 336 F CFA/kWh under the surveyed demand baseline of 58,400 kWh/year and to 406 

395 F CFA/kWh under the 15% annual loss-of-power-supply scenario examined below, the latter above 407 

the 350 F CFA/kWh tariff. The base-case margin between levelized cost and tariff is therefore an upper 408 

bound on the operating margin the project can actually earn, and both normalizations are reported 409 

side by side in Table 10 rather than the first on its own. 410 

Net present value and cash-flow trajectory 411 
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Discount the 15-year net cash-flow series at r = 10% and sum it (Eq. 3), and the result is a net present 412 

value of NPV = 21,586,792 F CFA (≈ 37,673 USD): proof that the project generates value over and above 413 

what the discount rate demands. Table 4 and Fig. 2 trace the year-by-year path of the cumulative 414 

discounted cash flow, which crosses into positive territory between years 10 and 11, while Fig. 3 sets 415 

the nominal cash flows against the discounted ones, making the single dip from the year-10 battery 416 

replacement clearly visible. 417 

Table 4 Discounted cash-flow schedule of the project over 15 years 418 

Year Net CF Discounted CF Cumulative NPV 

1 18,843,050 17,130,045 −102,869,955 

2 18,843,050 15,572,769 −87,297,186 

3 18,843,050 14,157,062 −73,140,124 

4 18,843,050 12,870,057 −60,270,067 

5 18,843,050 11,700,052 −48,570,015 

6 18,843,050 10,636,410 −37,933,605 

7 18,843,050 9,669,464 −28,264,141 

8 18,843,050 8,790,422 −19,473,719 

9 18,843,050 7,991,293 −11,482,426 

10 14,343,050 5,529,867 −5,952,560 

11 18,843,050 6,604,374 651,814 

12 18,843,050 6,003,976 6,655,791 

13 18,843,050 5,458,160 12,113,951 

14 18,843,050 4,961,964 17,075,915 

15 18,843,050 4,510,876 21,586,792 

All values in F CFA at a discount rate r = 10%. The minus sign (−) denotes a negative cumulative NPV. 419 

Year 11 is the first year in which the cumulative NPV turns positive (discounted payback). 420 
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 421 
Fig. 2 Evolution of the cumulative discounted net present value. Discount rate r = 10%. 422 

Alt text: Line chart of the cumulative discounted net present value from year 1 to year 15, crossing from negative 423 

to positive between years 10 and 11. 424 

 425 
Fig. 3 Annual nominal and discounted cash flows over the 15-year project life 426 

Alt text: Bar chart comparing nominal and discounted annual cash flows over the 15-year project life, with both 427 

series dipping in year 10 for the battery replacement. 428 

Internal rate of return 429 
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Solving Eq. (4) numerically on the exact 15-year discounted cash-flow series yields an internal rate of 430 

return of IRR = 13.07%. That clears the 10% real discount rate by nearly three points. It is a project 431 

return computed on a fully equity-financed basis, not an equity return, and it is reported here without 432 

comparison to a published band of rural mini-grid returns, since no source we were able to verify 433 

reports one on a comparable basis. Fig. 4 traces the exact NPV(r) curve from which this IRR is read. 434 

 435 
Fig. 4 Net present value as a function of the discount rate. The internal rate of return is the discount 436 

rate at which the curve crosses zero (13.07%). 437 

Alt text: Line chart of net present value as a function of the discount rate, showing the curve crossing zero at the 438 

internal rate of return of 13.07%. 439 

Payback period 440 

The simple payback period (Eq. 5) works out to CI/CFnet = 120,000,000/18,843,050 ≈ 6.4 years; as 441 

noted in the Methods, we report it only as a secondary, discounting-free indicator, since it ignores both 442 

the time value of money and every cash flow realized after break-even. The discounted payback, read 443 

off Table 4, is the indicator we treat as decisive: it lands in year 11, the point at which the cumulative 444 

discounted cash flow first turns positive (+77,548 F CFA). In present-value terms, then, the investment 445 

pays for itself four years before the 15-year horizon closes, leaving a comfortable window in which the 446 

project simply generates value. 447 
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Tariff and discount-rate sensitivity 448 

Table 5 and Fig. 5 lay out the NPV and IRR for all nine tariff-discount-rate combinations. Seven of the 449 

nine keep the project profitable (NPV positive, IRR above the discount rate), including the harshest test 450 

at the base tariff itself (350 F CFA/kWh, r = 12%: NPV = +6.9 M F CFA). Profitability only breaks down 451 

once the tariff drops to 300 F CFA/kWh alongside a discount rate of 10% or above (NPV of −2.8 and 452 

−14.9 million F CFA at r = 10% and 12%, respectively); at that tariff the IRR (9.59%) slips just under the 453 

10% reference rate. As expected, the IRR itself does not move with the discount rate for a given tariff, 454 

since it is an intrinsic property of the cash-flow series, running from 9.6% at 300 F CFA/kWh, up to 455 

13.1% at 350 F CFA/kWh, and 16.3% at 400 F CFA/kWh. 456 

Table 5 Sensitivity of the NPV and IRR to the electricity tariff and the discount rate 457 

Tariff (F CFA/kWh) NPV, r=8% NPV, r=10% NPV, r=12% IRR 

300 11.8 −2.8 −14.9 9.6% 

350 (base case) 39.2 21.6 6.9 13.1% 

400 66.6 46.0 28.7 16.3% 

NPV values are given in million F CFA. The IRR depends only on the tariff, since it is an intrinsic property 458 

of the cash-flow series. 459 
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 460 
Fig. 5 Sensitivity of the NPV to the electricity tariff and the discount rate. Nine combinations of three 461 

tariffs (300, 350 and 400 F CFA/kWh) and three discount rates (8, 10 and 12%). 462 

Alt text: Grouped bar chart of net present value across nine tariff and discount-rate combinations, showing 463 

profitability holding for all but the lowest tariff at higher discount rates. 464 

Synthesis of profitability indicators 465 

Table 6 Synthesis of the base-case profitability indicators of the Tafaghatt hybrid mini-grid 466 

Indicator Value Verdict 

Initial investment (CI) 120,000,000 F CFA (≈ 209,400 USD) Input 

LCOE (per kWh generated) 306 F CFA/kWh (≈ 0.53 USD/kWh) < tariff per kWh generated ✓ 

NPV (r = 10%, n = 15 yr) 21,586,792 F CFA (≈ 37,673 USD) NPV > 0 ✓ 

IRR 13.07% IRR > r ✓ 

Simple payback ≈ 6.4 years ≪ 15 years ✓ 

Discounted payback Year 11 4 years of residual value ✓ 

Base case: tariff 350 F CFA/kWh, r = 10%, n = 15 years. 467 

Energy balance reconciliation and dispatch simulation results 468 

Table 7 reconciles the two demand figures used throughout this study and summarizes the hourly 469 

dispatch simulation described in the Methods. The 64,123 kWh/year production figure exceeds the 470 
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58,400 kWh/year theoretical constant-load baseline by 9.8%, and the hourly simulation confirms this 471 

margin is what it takes to serve the load without shortfall: the reference design (28.5 kWp PV, 10 kW 472 

wind, 240 kWh LiFePO4 battery) records no unmet hour on either the dry-season or the cloud-affected 473 

wet-season representative day, with the battery state of charge troughing in the pre-dawn hours of 474 

the wet-season day and staying comfortably above the 20%-of-nominal floor throughout. The margin 475 

is therefore fully accounted for: it funds the round-trip conversion losses and the short-duration cloud-476 

transient reserve, rather than sitting idle as spare capacity. 477 

Table 7 Energy balance reconciliation and hourly dispatch simulation results 478 

Parameter Value 

Surveyed average daily demand 160 kWh/day 

Theoretical annual demand (constant load, 365 days) 58,400 kWh/year 

Estimated annual renewable electricity generated 64,123 kWh/year 

Estimated conversion, dispatch-margin and reserve allowance 

5,723 kWh/year (8.9% of 

generated output; an energy-

balance share, unrelated to 

the capital-contingency share 

of the same rounded 

percentage in Table 2) 

Estimated electricity delivered to load / billed basis (= surveyed 

demand, confirmed shortfall-free) 
58,400 kWh/year 

Coverage ratio (production / theoretical demand) 1.098 (+9.8%) 

LiFePO4 nominal / usable capacity (SOCmin = 20% of nominal) 240 kWh / 192 kWh 

Unmet hours, dry-season representative day none over 24 h 

Unmet hours, wet-season representative day (incl. 2 cloud 

transients) 
none over 24 h 

Demand growth under a capacity constraint 479 
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Table 8 reports what demand growth is actually worth to this project once the plant's own capacity is 480 

respected, and the answer is not the one a growth scenario is usually expected to give. Because the 481 

base case already books revenue on the entire annual generation of 64,123 kWh, growth adds exactly 482 

nothing at constant installed capacity: whatever the trajectory, delivered energy cannot exceed what 483 

the plant produces. Measured instead from the surveyed demand baseline of 58,400 kWh/year, which 484 

leaves 9.8% of headroom, growth is worth something only until the plant saturates, and it saturates 485 

quickly, in year 6 at 2% annual growth and in year 3 at 5%. The net present value rises from 6,351,434 486 

F CFA under flat demand to 16,852,636 F CFA at 2% and 18,955,052 F CFA at 5%, with the internal rate 487 

of return moving from 10.93% to 12.36% and 12.66%. But the whole gain is earned in the first few 488 

years, and beyond saturation the growth path converts into unserved demand rather than revenue, 489 

64,790 kWh cumulatively at 2% and 306,869 kWh at 5% across the horizon (Fig. 6). 490 

The second panel of Table 8 relaxes the capacity constraint. Scaling generation capacity to follow the 491 

year-15 demand costs 7,411,907 F CFA at 2% growth and 22,734,413 F CFA at 5%, at the implicit 492 

capacity cost derived in the Methods, and once that capital and the associated operating and 493 

replacement costs are carried, the net present value settles at 7,349,462 and 4,965,128 F CFA 494 

respectively, with internal rates of return of 10.94% and 10.51%, barely above the discount rate. The 495 

planning implication is the opposite of the conventional one: for a mini-grid sized tightly against a static 496 

surveyed demand, growth is not a free source of upside. It is either foreclosed by the capacity ceiling 497 

or paid for with capital that consumes most of the revenue it unlocks. Sizing decisions and growth 498 

expectations therefore have to be taken together at the design stage, not sequentially. 499 
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 500 
Fig. 6 Demand growth against the annual generation ceiling. The shaded areas show demand that 501 

cannot be served at constant installed capacity. 502 

Alt text: Line chart of annual demand under 0, 2 and 5% growth against a horizontal generation ceiling of 64,123 503 

kWh, with the gap above the ceiling shaded as unserved demand. 504 

Table 8 Sensitivity of the NPV and IRR to the annual demand-growth rate 505 

Scenario Additional 

CAPEX (F 

CFA) 

Saturation 

year 

Cumulative 

unserved demand 

(kWh) 

NPV (F 

CFA) 

IRR 

(%) 

Constant capacity, 

0%/year (flat demand) 

0 not reached 0 6,351,434 10.93 

Constant capacity, 

2%/year 

0 6 64,790 16,852,636 12.36 

Constant capacity, 

5%/year 

0 3 306,869 18,955,052 12.66 
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Capacity scaled to 

year-15 demand, 

2%/year 

7,411,907 – 0 7,349,462 10.94 

Capacity scaled to 

year-15 demand, 

5%/year 

22,734,413 – 0 4,965,128 10.51 

Revenue basis for the constant-capacity panel is the surveyed demand baseline of 58,400 kWh/year, 506 

capped at the annual generation of 64,123 kWh/year. Discount rate r = 10%, tariff 350 F CFA/kWh. In 507 

the capacity-scaled panel, generation capacity, operation-and-maintenance cost and battery 508 

replacement cost are all scaled once at the outset by the factor required to serve the year-15 demand 509 

with the same 9.8% margin. 510 

Multi-parameter tornado diagram 511 

Table 9 ranks the nine parameters described in the Methods by the net present value spread each 512 

produces. Revenue, the product of annual generation and tariff, dominates at 68,281,449 F CFA; it is 513 

reported as a single parameter because the net present value is linear in that product, so that treating 514 

generation and tariff separately produces two arithmetically identical rows. CAPEX follows at 515 

48,000,000 F CFA. The third rank is the one that matters most for how this study should be read: 516 

repricing the battery bank and its scheduled replacement cost from the design-phase quotation to the 517 

published lithium-ion industry benchmark moves the net present value by 33,587,897 F CFA, more 518 

than the discount rate at 32,313,734 F CFA and more than the annual dispatch shortfall and the 519 

collection rate, each worth 25,605,543 F CFA. The operation-and-maintenance rate follows at 520 

10,952,754 F CFA, the wind capacity factor at 8,936,763 F CFA, and the battery replacement cost, when 521 

varied independently by +/-20% around its quoted value, remains last at 693,978 F CFA. Demand 522 

growth does not appear at all: at constant capacity it produces no spread. Two readings follow. First, 523 

the ranking is dominated by inputs the study measures rather than by inputs it assumes, since revenue 524 
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and capital cost both outweigh the discount rate, which is the parameter techno-economic studies 525 

most often foreground. Second, and less comfortably, three of the five parameters ranked immediately 526 

below CAPEX, namely the battery unit cost, the annual shortfall and the collection rate, are quantities 527 

this study does not observe directly. Together they span 84,798,984 F CFA of net present value, nearly 528 

four times the base-case value itself. The base case is therefore best understood as one point inside a 529 

wide and largely unmeasured region, rather than as a central estimate with narrow error bars. 530 

Table 9 Tornado-diagram ranking of NPV sensitivity to nine parameters 531 

Rank Parameter NPV spread (F CFA) 

1 Revenue (annual generation × tariff), ±20% 68,281,449 

2 CAPEX, ±20% 48,000,000 

3 Battery bank unit cost, quotation to 209 USD/kWh benchmark 33,587,897 

4 Discount rate, 8% to 12% 32,313,734 

5 Annual LPSP, 0% to 15% 25,605,543 

5 Revenue collection rate, 100% to 85% 25,605,543 

7 O&M rate, ±20% 10,952,754 

8 Wind capacity factor, 0.204 to 0.166 8,936,763 

9 Battery replacement cost, ±20% 693,978 

Discount rate r = 10%, tariff 350 F CFA/kWh. Each parameter is varied one at a time with all others held 532 

at their base-case values. Demand growth is omitted because at constant installed capacity it produces 533 

no spread. Ranks 5 are tied. 534 

Revenue-adjusted profitability under a realistic annual loss-of-power-supply scenario 535 

Table 10 compares the base case used throughout the base-case analysis with the two alternative 536 

readings introduced in the Methods. Moving from the generation-based revenue proxy (Ean = 64,123 537 

kWh/year) to the demand baseline alone (Ebase = 58,400 kWh/year), with dispatch still assumed 538 

shortfall-free, already lowers annual revenue from 22,443,050 to 20,440,000 F CFA, compresses the 539 
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net present value at the base discount rate from 21,586,792 to 6,351,434 F CFA, and brings the internal 540 

rate of return down from 13.07% to 10.93%, only just above the 10% discount rate used throughout 541 

this study; the discounted payback shifts from year 11 to year 14. Applying the companion study's 542 

annual loss-of-power-supply probability of 15.0% on top of that baseline [13] lowers served and billed 543 

energy further, to 49,640 kWh/year, and annual revenue to 17,374,000 F CFA. Under this revenue-544 

adjusted case, the net present value turns negative, −16,968,806 F CFA, the internal rate of return falls 545 

to 7.42%, below the discount rate, the simple payback lengthens to 8.7 years, and the discounted 546 

payback is not reached at all within the 15-year project horizon. The levelized cost of energy, 306 F 547 

CFA/kWh, is identical across all three cases, since it is computed from the plant's annual generation 548 

rather than from billed demand (Methods). 549 

Table 10 Profitability indicators under three alternative revenue bases 550 

Indicator Base case (Ean = 

64,123 kWh/yr) 

Demand baseline, no 

shortfall (Ebase = 

58,400 kWh/yr) 

Revenue-adjusted, LPSP = 

15.0% (Eserved = 49,640 

kWh/yr) 

Annual revenue (F 

CFA) 

22,443,050 20,440,000 17,374,000 

Net cash flow, 

ordinary year (F CFA) 

18,843,050 16,840,000 13,774,000 

Net cash flow, year 

10 (F CFA) 

14,343,050 12,340,000 9,274,000 

Net present value at 

r = 10% (F CFA) 

21,586,792 6,351,434 −16,968,806 

Internal rate of 

return (%) 

13.07 10.93 7.42 
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Simple payback 

period (years) 

6.4 7.1 8.7 

Discounted payback 

period (years) 

11 14 not reached within 15 

years 

Levelized cost per 

kWh generated (F 

CFA/kWh) 

306 306 306 

Levelized cost per 

kWh delivered (F 

CFA/kWh) 

306 336 395 

Discount rate r = 10%, tariff 350 F CFA/kWh. 551 

This does not mean the system is poorly designed. The technical adequacy demonstrated by the 552 

dispatch simulation, which records no unmet hour on either representative dispatch day, and the 553 

profitability case built on top of it, both hold under the assumption that year-round dispatch 554 

performance matches the two representative days actually modeled. What Table 10 shows is that the 555 

investment case is not robust to the alternative, and arguably more realistic, annual stochastic 556 

estimate obtained independently in the companion study [13]: roughly two fifths of the profitability 557 

erosion (15,235,358 of 38,555,598 F CFA) comes from replacing an upper-bound revenue proxy with 558 

the surveyed demand baseline, and the remaining three fifths from the shortfall itself. Tested in 559 

isolation, on the same one-at-a-time footing as the other eight tornado parameters, this shortfall alone 560 

ranks fifth of nine drivers of project value, level with the revenue collection rate and below both the 561 

battery bank unit cost and the discount rate: material, but not the single dominant risk when 562 

considered on its own. Closing the gap between the two dispatch methodologies, rather than treating 563 

either one as definitive, is accordingly a precondition for treating this assessment as a bankable 564 

investment case rather than an indicative estimate. The Discussion returns to this point. 565 

Sensitivity to the battery bank cost benchmark 566 
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The tornado diagram ranks the battery bank unit cost third of nine, above the discount rate, the annual 567 

dispatch shortfall and the revenue collection rate. Because the battery cost rests on a single design-568 

phase quotation, Table 11 evaluates the effect of repricing both the battery bank acquisition cost and 569 

its scheduled year-10 replacement cost against three published lithium-ion benchmarks, while holding 570 

all other inputs at their base-case values. The design-phase quotation of 4,500,000 F CFA for 240 kWh 571 

of lithium iron phosphate corresponds to 32.7 USD/kWh. Against the most aggressive figure in the 572 

reference source, the 150 USD/kWh projected for mini-grid procurement [3], the net present value 573 

falls to −759,251 F CFA and the internal rate of return to 9.90%, marginally below the discount rate; 574 

against the lithium-ion industry benchmark of 209 USD/kWh the figures are −12,001,105 F CFA and 575 

8.44%; and against the mini-grid average of 605 USD/kWh, −87,454,911 F CFA and 0.05%. The break-576 

even tariff moves correspondingly from 306 F CFA/kWh to between 352 and 529 F CFA/kWh, that is, 577 

above the 350 F CFA/kWh tariff assumed throughout in every benchmarked case. Two conclusions 578 

follow, and they point in opposite directions. If the design-phase quotation is confirmed on delivery, 579 

the gap to published benchmarks is itself a result worth reporting, since it would indicate that regional 580 

procurement channels for lithium iron phosphate storage have moved well below what the mini-grid 581 

literature assumes, which is plausible given how sharply cell prices have fallen since those benchmarks 582 

were compiled. If it is not confirmed, the base-case profitability verdict does not hold. Nothing in the 583 

present dataset discriminates between these two readings, and confirming the quotation is 584 

accordingly the first verification any investor should require. 585 

Table 11 Profitability under alternative battery bank cost benchmarks 586 

Battery bank unit cost 

basis 

USD/kWh Total CAPEX (F 

CFA) 

NPV (F CFA) IRR 

(%) 

Break-even tariff 

(F CFA/kWh) 

Design-phase 

quotation (Table 2) 

32.7 120,000,000 21,586,792 13.07 306 
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Mini-grid procurement 

projection [3] 

150 136,128,000 −759,251 9.90 352 

Lithium-ion industry 

benchmark [3] 

209 144,241,680 −12,001,105 8.44 375 

Mini-grid average [3] 605 198,699,600 −87,454,911 0.05 529 

Only the battery bank line of Table 2 is repriced; every other input is held at its base-case value, with r 587 

= 10% and a tariff of 350 F CFA/kWh. Benchmarks are the lithium-ion figures reported by [3], whose 588 

mini-grid range is 461-762 USD/kWh. The break-even tariff is the tariff at which the net present value 589 

is zero. 590 

Discussion 591 

Cost structure and comparison with the literature 592 

Tafaghatt's base-case levelized cost of 0.53 USD/kWh per kilowatt-hour generated, or 0.59 USD/kWh 593 

per kilowatt-hour actually delivered under the surveyed demand baseline, lands toward the upper end 594 

of the range reported for comparable Sahelian and African PV-wind hybrid projects: well above the 595 

0.185 USD/kWh recorded in Mongo, Chad [4] and the 0.214 USD/kWh from the Algerian 596 

telecommunication station [5], roughly on par with the 0.563 USD/kWh reported for the Comorian 597 

island microgrid [9], and far removed from the 0.0383 USD/kWh Morocco achieved with its PV-wind-598 

pumped-hydro configuration, a figure helped enormously by an already-existing hydro-storage asset 599 

that slashes capital costs [6]. Whatever the comparison, this is not a story about expensive generation 600 

equipment, which claims less than a fifth of total capital expenditure. Beyond that, the cost file does 601 

not support a sharper attribution than non-generation costs: the 64.7% line bundles the feasibility 602 

study, site preparation, installation labor and the distribution network, while the World Bank mini-grid 603 

market outlook puts the distribution grid alone at about 14% of total capital cost on average [3]. The 604 

distance between 14% and 64.7% is wide enough to be worth resolving empirically rather than 605 

asserting in either direction, and disaggregating that line is the single most useful improvement a 606 

follow-up costing exercise could make. What can be said is that the broader pattern of non-generation 607 
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cost dominance is well attested for small, dispersed rural mini-grids, a conclusion a rural Nigerien cost-608 

benefit study of a comparable PV-wind-diesel configuration reached as well [1,20]. The same message 609 

comes through the wider Sub-Saharan literature: mini-grid techno-economic studies from Cameroon 610 

[21], Nigeria [22,23] and a recent multi-country review [24] converge on the finding that once the 611 

target is a scattered rural settlement rather than a compact institutional load, distribution and 612 

installation costs routinely dominate the capital budget, and a continental-scale costing exercise puts 613 

the price tag for universal household electrification across 40 Sub-Saharan African countries by 2030 614 

at several hundred billion dollars precisely because of this distribution burden [25]. 615 

Return, sensitivity and the burden of measurement 616 

At 13.07%, the internal rate of return clears the 10% real discount rate by three points. We deliberately 617 

refrain from benchmarking it against a published band of rural mini-grid returns, because no source 618 

we were able to verify reports one on a comparable basis; what can be said is that it is a project return 619 

computed on a fully equity-financed basis rather than an equity return, and that, as the scenarios 620 

below show, it is not robust. Comparisons with the wider literature are therefore made on levelized 621 

cost rather than on return: the Ethiopian PV-wind system at 0.28 USD/kWh [7], or the Brazilian solar-622 

biomass microgrid at 0.03-0.05 USD/kWh, which benefits from a logistics environment far kinder than 623 

the Sahel's [8]. The revised tornado diagram qualifies the original nine-scenario reading: the tariff is an 624 

important lever on project viability, but it is not separable from annual generation, and the two 625 

together are outranked only by the capital cost. More striking is that the battery bank unit cost, the 626 

annual dispatch shortfall and the collection rate together span nearly four times the base-case net 627 

present value, which places the burden of proof on measurement rather than on modeling. A similar 628 

message turns up elsewhere in the regional literature: in a Malaysian PV-wind farm-electrification 629 

study, where the levelized cost (0.34 USD/kWh) stayed below the diesel alternative regardless of 630 

financing assumptions [26], and in a Sudanese PV-wind-hydrogen study, where adding hydrogen 631 

storage brought the levelized cost down from 0.24 to 0.20 USD/kWh independently of the discount 632 

rate used [27]. Closer to home, a Nigerien cost-optimization study of a PV-diesel-generator hybrid 633 
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system found that capping the non-renewable share at around 30% of production minimized overall 634 

generation cost, broadly consistent with what we find here, where renewables cover the entirety of 635 

production at Tafaghatt [28]. A broader look across the region points the same way: a recent review 636 

of renewable off-grid mini-grids in Sub-Saharan Africa finds that double-digit returns under realistic 637 

tariff assumptions are consistently earned by projects that pair adequate PV-battery sizing with a 638 

distribution network scaled tightly to actual demand, rather than by projects betting on any single 639 

generation technology to carry project economics on its own [29]. And because West Africa's solar and 640 

wind resources are not simply additive, their complementarity across seasons and time of day shapes 641 

how much a second-generation technology can realistically buy in reliability terms, a nuance a recent 642 

regional resource-synergy assessment brings out clearly and one that the underlying system design for 643 

Tafaghatt had to take into account [30]. 644 

Affordability and tariff design 645 

A financially sound project is not necessarily a socially viable one, and the question that decides the 646 

difference here is whether Tafaghatt's rural households can actually afford 350 F CFA/kWh. The figure 647 

follows NIGELEC's prevailing off-grid rural practice and the tariff-setting principles laid out in Niger's 648 

PERAN decree and NIGELEC's approved tariff methodology (Methods) [2,15,16], and produces a 649 

financially sound project on paper, but Niger's regulatory framework does not yet specify a detailed, 650 

mini-grid-specific tariff-calculation methodology, a gap explicitly documented in the most recent 651 

published investment-risk diagnostic for the country's renewable energy sector [17]. In the absence of 652 

that codified methodology, this study's tariff should be read as a defensible planning assumption 653 

grounded in prevailing regulatory practice rather than as a rate set by a published mini-grid tariff order. 654 

Beyond the regulatory question, rural incomes in the Maradi region rise and fall with the rains and 655 

rain-fed agriculture, and a flat volumetric tariff could still strain the poorest households through the 656 

dry season, a pattern documented more broadly for rural Niger, where willingness to pay for electricity 657 

access tracks the agricultural calendar closely and tends to sit below urban benchmarks [31]. This 658 

points toward tiered or socially adjusted pricing, calibrated to seasonal agricultural income, as a policy 659 
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direction worth exploring for the Tafaghatt scheme and comparable Sahelian mini-grids. And the room 660 

for maneuver is narrower than it might seem: the sensitivity analysis shows profitability breaking down 661 

only once the tariff drops to 300 F CFA/kWh at discount rates of 10% or higher, which leaves little 662 

space to lower the tariff without either a capital subsidy (covering part of the distribution-network 663 

cost, the bulk of the investment) or a blended structure that cross-subsidizes low-consumption 664 

households using revenue from heavier commercial and institutional users such as the market, the 665 

lower-secondary school and the health center. 666 

The room for maneuver can be made explicit rather than left as a recommendation. Holding total 667 

revenue at the level the base case requires, a two-block tariff must satisfy f·T1 + (1 − f)·T2 = 350 F 668 

CFA/kWh, where f is the share of billed energy consumed by households on a social block priced at T1 669 

and the balance is billed to commercial and institutional users at T2. Table 12 solves this constraint for 670 

plausible values. If households account for 60% of consumption, a social block at 250 F CFA/kWh, close 671 

to the level at which willingness to pay in rural Niger has been measured [31], requires 500 F CFA/kWh 672 

from the market, the lower-secondary school and the health center; a deeper social block at 200 F 673 

CFA/kWh requires 575 F CFA/kWh. Whether those upper-block prices are bearable is an empirical 674 

question this study cannot settle, and it is precisely the question that decides whether the scheme is 675 

socially viable rather than merely financially viable. What the arithmetic does establish is the shape of 676 

the trade-off: with generation costs fixed and a margin of only 41 F CFA/kWh between levelized cost 677 

and tariff in the base case, every franc removed from the household block must be recovered from a 678 

customer base that is small, seasonal and itself income-constrained. A capital subsidy covering part of 679 

the non-generation cost, where two thirds of the investment sits, relaxes the constraint considerably 680 

more effectively than any redistribution inside the tariff. That is a policy conclusion rather than an 681 

engineering one, and it is the one this analysis supports most firmly. 682 

Table 12 Upper-block tariff required for revenue neutrality in a two-block structure 683 

Household share of billed energy T1 = 200 T1 = 250 T1 = 300 

50% 500 450 400 
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60% 575 500 425 

70% 700 583 467 

Values are the upper-block tariff T2, in F CFA/kWh, required to hold total revenue at the level of a 684 

uniform 350 F CFA/kWh tariff, as a function of the household share of billed energy and of the social-685 

block tariff T1 (also in F CFA/kWh). The construction is revenue-neutral by definition and is intended to 686 

expose the structure of the trade-off, not to propose a specific schedule. 687 

Currency and accounting conventions 688 

Every USD figure in this study rests on a single exchange-rate assumption, 573 F CFA/USD, mid-2026, 689 

since the F CFA is fixed only against the euro (655.957 F CFA/EUR) and floats freely against the dollar. 690 

The dollar figures should therefore be read as rough, order-of-magnitude conversions rather than fixed 691 

contractual values, and any future foreign-currency financing would need to build in exchange-rate 692 

risk over the full 15-year horizon. 693 

Dispatch reliability and the limits of this assessment 694 

A caveat on this result deserves to be stated plainly. The absence of unmet hours reported above rests 695 

on a dispatch check run over two representative days, one per season, that is 48 of the year's 8,760 696 

hours, rather than on a full year of day-to-day resource variability. It is reported here as an absence of 697 

shortfall over the simulated period, and not as an annual probability, because 48 hours cannot support 698 

a figure quoted to two decimal places. A companion study of this same 38.5 kW configuration (28.5 699 

kWp PV, 10 kW wind, 240 kWh LiFePO4 battery) reconstructs a full 8,760-hour representative year 700 

with stochastic day-to-day solar and wind variability and a 15% PV soiling assumption, and finds an 701 

annual loss-of-power-supply probability of 15.0%, concentrated in the July-September monsoon 702 

window [13]. The two figures are not directly comparable, for two distinct reasons. First, the 703 

companion study's 15% figure is a soiling-only derating, whereas the 8% factor used in the dispatch 704 

check here (Methods) bundles soiling together with temperature and mismatch losses rather than 705 

isolating soiling specifically, so only part of that 8% is attributable to soiling and the two percentages 706 

do not measure the same loss mechanism. Second, a two-day snapshot cannot capture the multi-day 707 
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monsoon-season shortfall run that an annual stochastic reconstruction reveals; together, these two 708 

differences account for the gap between the two results. The practical implication is that the levelized 709 

cost per kilowatt-hour generated is unaffected, since it is a cost-of-generation metric, but the levelized 710 

cost per kilowatt-hour delivered, the net present value and the internal rate of return all are. The 711 

revenue-adjusted analysis quantifies how far returns fall once the companion study's annual estimate 712 

is taken into account instead: the net present value turns negative and the internal rate of return 713 

contracts from 13.07% to 7.42%, below the discount-rate threshold. Reconciling the two dispatch 714 

methodologies, ideally within a single annual stochastic model driving both the technical and the 715 

economic assessment, remains a priority before this profitability case is treated as bankable rather 716 

than as an estimate bounded, as Table 10 shows, between a comfortably profitable reading and a loss-717 

making one. 718 

Limitations and next steps 719 

Seven boundaries bound what this assessment establishes, and they are worth stating together rather 720 

than scattered through the text. The demand baseline rests on a single dry-season survey wave of 721 

roughly 120 households, without a measured coincidence factor or a stated margin of error, and every 722 

revenue figure in the paper is a linear function of that one number. The dispatch check that records no 723 

unmet hour covers 48 of the year's 8,760 hours, which is why it is reported as an absence of shortfall 724 

over the simulated period rather than as an annual probability, and why the companion study's annual 725 

estimate is carried through the cash-flow model rather than set aside. The battery bank unit cost rests 726 

on a single design-phase quotation that sits well below published lithium-ion benchmarks, and Table 727 

11 shows what the profitability verdict becomes if those benchmarks are the better guide. The annual 728 

generation figure of 64,123 kWh is inherited from the design study; integrating the manufacturer 729 

power curve of the specified turbine over the site's wind distribution yields a capacity factor of 0.166 730 

rather than the 0.204 that figure assumes, which would cut total generation to 60,766 kWh/year and 731 

the margin over the demand baseline from 9.8% to 4.1%. Reconciling that difference is a task for the 732 

design study rather than for this one, but it bears directly on every revenue figure reported here, and 733 
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it is carried as a tornado parameter for that reason. Revenue assumes that all delivered energy is billed 734 

and collected, with no allowance for technical losses on the low-voltage network, non-technical losses 735 

or arrears; the collection rate enters the tornado diagram as a parameter precisely because it is 736 

unobserved here. The analysis credits no salvage value at the end of year 15, although the photovoltaic 737 

field, the wind turbine and the distribution network have service lives well beyond it and the battery 738 

bank replaced in year 10 retains roughly half its service life, worth about 0.5 million F CFA in present 739 

value, or 2.5% of the base-case net present value. Finally, one boundary is a matter of framing rather 740 

than of data: this study asks whether a given hybrid mini-grid pays for itself, not whether it is the least-741 

cost way of serving Tafaghatt. A comparison against grid extension and against a diesel or PV-diesel 742 

alternative, conducted on the same reliability-adjusted basis used here, is the natural next question 743 

for a planner and is answered by none of the three papers in this series. Of these seven, only the 744 

salvage-value omission is conservative with respect to project value. 745 

Conclusions 746 

Under its base-case assumptions, the 38.5 kW PV-wind hybrid mini-grid designed for Tafaghatt village 747 

is financially viable: a levelized cost of 306 F CFA/kWh generated against a 350 F CFA/kWh tariff, a net 748 

present value of 21,586,792 F CFA at a 10% real discount rate, an internal rate of return of 13.07% and 749 

a discounted payback in year 11 of a 15-year life. An hourly dispatch check over two representative 750 

days records no unmet hour in either season. Those figures are the starting point of this paper rather 751 

than its finding. 752 

The finding is how little of that verdict survives contact with the quantities the study does not itself 753 

measure. Normalizing the levelized cost to energy delivered rather than generated raises it to 336 F 754 

CFA/kWh, and to 395 F CFA/kWh once the companion study's 15.0% annual loss-of-power-supply 755 

probability is applied, at which point it exceeds the tariff and the net present value turns negative, with 756 

the internal rate of return falling to 7.42%. Repricing the battery bank alone at any published lithium-757 

ion benchmark, every other input unchanged, turns the net present value negative as well. So does a 758 

revenue collection rate of 85% rather than 100%. And demand growth, usually treated as the upside 759 
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that rescues a marginal mini-grid, turns out to be worth nothing at constant capacity, because the 760 

plant already sells everything it makes, and to yield barely more than the discount rate once the 761 

capacity to serve that growth is paid for. The base case is therefore not a central estimate but the most 762 

favorable corner of a wide region, and the three parameters that define that region, storage cost, 763 

dispatch reliability and revenue collection, are all measurable before an investment decision is taken. 764 

That is the practical recommendation this paper makes. 765 

Two implications follow for comparable Sahelian schemes. First, because roughly two thirds of the 766 

capital budget sits outside the generation plant, in feasibility work, civil works, installation labor and 767 

the low-voltage network, the main influence on project economics lies in how that bundle is procured 768 

and, before that, in disaggregating it finely enough to be managed at all; the present cost file does not 769 

permit that separation, and future ones should. Second, a reliability-adjusted profitability assessment 770 

is not the same exercise as a profitability assessment with a reliability caveat attached. Carrying two 771 

dispatch estimates of the same system through the same cash-flow model shows that they straddle 772 

the sign change of the net present value, and it is that span, rather than either endpoint, that a 773 

financier or a regulator needs to see. Reconciling the two dispatch methodologies within a single 774 

annual stochastic model, disaggregating the non-generation cost line, and confirming the storage 775 

quotation are accordingly the three steps that would convert this indicative assessment into a 776 

bankable one. 777 

List of abbreviations 778 

CAPEX: Capital expenditure (initial investment cost) 779 

CFnet(t): Net cash flow in year t (F CFA) 780 

CI: Initial (total) investment cost (F CFA) 781 

CO&M: Annual operation and maintenance cost (F CFA) 782 

Crepl,t: Replacement cost incurred in year t (F CFA) 783 

DCF: Discounted cash flow 784 

Dh: Hourly electricity demand (kWh) 785 
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Ean: Annual energy production (kWh/year) 786 

Ebase: Surveyed demand baseline (kWh/year) 787 

Eserved: Demand actually served under a given LPSP (kWh/year) 788 

Eunmet,h: Hourly unmet (shortfall) energy (kWh) 789 

ESMAP: Energy Sector Management Assistance Program (World Bank) 790 

F CFA: Franc of the African Financial Community (ISO 4217 code XOF) 791 

Fan: Annuity discount factor over the project lifetime 792 

g: Annual demand-growth rate (%) 793 

IRR: Internal rate of return (%) 794 

LCOE: Levelized cost of energy (F CFA/kWh) 795 

LiFePO4: Lithium iron phosphate (battery chemistry) 796 

LPSP: Loss of power supply probability (%) 797 

LPSPannual: Annual loss of power supply probability (%) 798 

n: Project lifetime (years) 799 

NIGELEC: Société Nigérienne d'Électricité (national electricity utility) 800 

NPV: Net present value (F CFA) 801 

O&M: Operation and maintenance 802 

PERAN: Programme d'électrification rurale autonome hors réseaux (Niger) 803 

PV: Photovoltaic 804 

r: Discount rate (%) 805 

Ran: Annual revenue (F CFA) 806 

SOC: State of charge of the battery bank (%) 807 

T1, T2: Social-block and upper-block tariff in a two-block structure (F CFA/kWh) 808 
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All methods were carried out in accordance with the relevant institutional guidelines and regulations 811 

of the Université Dan Dicko Dankoulodo de Maradi (UDDM), and in accordance with the Declaration 812 

of Helsinki. 813 

This was a non-interventional, observational study. It collected only aggregate, indicative estimates of 814 

expected household and institutional electricity demand, used solely to size the mini-grid, and no 815 

individually identifiable data were retained. The survey protocol, together with the applicable ethical 816 

review requirements, was submitted to the Ethics and Professional Conduct Committee of UDDM. This 817 

Committee operates under the authority of the University's Rectorat and derives its mandate from 818 

Decree No. 2013-201/PRN/MEMS/RS of 31 May 2013, approving the Charter of Ethics and Professional 819 

Conduct of Niger's Public Universities. Article 29 of that Charter provides for a joint order of the Rectors 820 

of Niger's public universities to establish, at each university, the body responsible for overseeing the 821 

Charter's application, including the ethical conduct of research carried out under the University's 822 

authority. The Committee determined that a study of this kind, non-interventional and anonymized, 823 

did not require full ethics review: it posed no more than minimal risk, involved no biomedical or 824 

otherwise sensitive procedure, and retained no identifiable personal data. 825 

Consent followed the way decisions about shared infrastructure are actually made in Tafaghatt. Before 826 

any household was approached, the village chief, who speaks for the community on matters of this 827 

kind, gave his authorization for the survey to go ahead. Each household and institutional respondent 828 

was then asked, individually and orally in the local language, whether they agreed to take part, after 829 

being told what the survey was for and that they could refuse or stop at any point without 830 

consequence. 831 

No signed consent form was used. Literacy in writing is limited among the surveyed population, and a 832 

signed document would have introduced a degree of formality out of step with local practice, more 833 

likely to put people off than to protect them. The Committee reviewed this exact procedure, village-834 

level authorization followed by individual oral consent, and found it appropriate for a study of this 835 
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kind. The approach follows CIOMS Guideline 9 (2016), which allows an ethics committee to waive the 836 

requirement for a signed form in minimal-risk research, provided the investigator can attest that 837 

consent was actually sought and given. The corresponding author, who ran the field survey, provides 838 

that attestation here: oral consent was obtained from every household and institutional respondent 839 

before interview. 840 

No experiments on human or animal subjects were conducted. Individual responses were used only to 841 

build the aggregate demand figure reported in the Methods and were not kept in identifiable form 842 
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  L C O E =   C I +   ∑  t ​      C  repl , t     ( 1 + r )  t +   C  O&M ×   F  an    E  an ×   F  an


    F  an =   1 −    ( 1 + r )  − n  r


  N P V =   ∑  t ​    C   F  net  ( t )     ( 1 + r )  t − C I


  N P V  (   r ∗ ) = 0


    Payback  simple =   C I  C   F  net


  L P S P =     ∑  h = 1 24    E  unmet , h    ∑  h = 1 24    D h


  L C O E =   120 , 000 , 000 + 1 , 734 , 945 + 3 , 600 , 000 × 7 . 606  64 , 123 × 7 . 606 ≈ 306   F CFA/kWh

